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December 1, 1999

Docket Facility

U.S. Department of Transportation
Room PL-401,

400 Seventh Street

SW. Washington, DC 20590-0001

SUBJECT: Docket No. RSPA-97-2879

In response to RSPA’ s Request for Comment on Pipdine Safety: Rapid Isolation of Ruptured
Sections of Gas Transmisson Pipdines (DOT Docket No. RSPA-97-2879), Pacific Gas &
Electric Company (PG& E) would like to provide the following comments for establishing time
limits for isolation of ruptured pipelines. PG&E is an investor-own utility providing natural gas
and eectric service to more than 12 million people in Northern and Centrd Cdifornia PG&E
has over 5,600 miles of intrastate gas transmisson pipelines.

Prior to addressing the 6 questions listed in the Federal Regigter notice, we would like to
provide some genera comments regarding establishment of time limits for isolating a ruptured
pipeline section. Prescriptive regulation, such as being proposed, in our opinion is not the
answer to improving public, environmental, or equipment safety. The proposed regulation
dedls more with minimizing consequences should afailure occur. We are more supportive of
looking &t dl the risk components of a given pipeine section, including likdihood of failure and
consequences of failure, and targeting the risk reduction activity that provides the highest
vaue. Thefocus should be on preventing the failure, and not managing the consequences.
The regulatory framework should support utilities spending dollars to prevent failures
atogether, versus managing the consequences that occur.

The following are response to the 6 questions in your request:

1) What are the variagbles that should be consdered in establishing atime-to-isolate
sandard? Asan example, one variable could be the time for gas contained in the
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ruptured section to burn, if thereis afire, after the section isisolated by closing valves on
each sde of the rupture.

Risk to public.
Risk to property.

Risk to company personnel.
Volume of gas contained in the isolated section.
Number of feeds into zone affected by the rupture.

2) Should an operator’ s time-to-isolate a ruptured pipeline section be the same in each class
location? If not, what difference should there be in the time-to-isolate for each of the four
class locations?

No. It makes senseto factor the Class Location (i.e., population density) into
the determination of time-to-isolate a ruptured pipeline. A more densely
populated area should require a shorter time-to-isolate the ruptured pipeline.

Possibly, Class1 & 2 and Class 3 & 4 can be grouped together. Class3 & 4
locations should be more accessible because of better surface roads and
generally closer proximity to maintenance bases than Class 1 & 2 locations.

3) Should the definitions for class location in 49CFR192 be revised to provide for more
stringent requirements in areas where there would be more significant consequences from
aruptured transmission pipeline where the escaping gas caught fire? Examples of areas of
more sgnificant consegquences are commercid areas and gpartment buildings with high
population concentrations.

No. 49CFR Part 192 already provides for more stringent requirements (e.g.,
closer spacing of valves, lower design factors) in areas with higher Class
Location designations. These Class Location designations generally correspond
to areas where consequences of rupture are greater.

3a) What are other examples of areas subject to more significant consequences from a
ruptured transmisson pipeline where the escaping gas caught fire?

Close proximity to other utility structures, such as, electric transmission and
distribution lines, oil pipelines, and other gas lines; also, gas piping on bridge
structures.

3b) Should areas of more sgnificant consequences be included in the definition for Class
3 and 4 locations or should separate sub-class locations be established for these
areas?

No. Utilities already encounter difficultiesin determining Class Location
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boundaries and in determining when there is a change to the four existing
Class Locations. Adding sub-classes would be more confusing and would make
it difficult for operators to accurately and consistently identify Class Location
boundaries. Also, the additional patrols, analysis and documentation which
would be required to ensure proper identification of these sub-classes would
have questionable beneficial value.

4) Should the transmission line vave spacing requirements in 49CFR192.179 be reduced for
Class 3 and 4 locations of highest consequences? If not, why not? No. When the class
locations were originally established, both the transmission valve spacing and the
pipeline design factor were directly a function of classlocation. The higher
populated areas (i.e., Class 3 and 4) require closer valve spacing and higher pipe
safety factors. Mandating reduced valve spacing requirements for Class3 & 4
locations of highest consequence will require additional expenditures for valve
installation, as well as, on-going monitoring for changes in these subclass locations.

5) What should be the maximum time for closing valves to isolate a rupture vave section?
Should RCVs be ingdled to assure the closing time is not exceeded?

The specific value must be determined from studying the time required for each
activity which must occur between the time of a pipeline rupture and the final
isolation of the ruptured zone from any gas source. These activitiesinclude:
notification of the operator, evaluation of data to confirm rupture location and
system impact, evacuation of the affected area, dispatch of personnel or signal to
isolate gas, and operation of the valve(s) at the required site(s). We recommend 1
hour to isolate Class3 & 4 and 2 hoursinClass1 & 2.

The maximum time should not be arbitrarily set too low requiring RCVsto be
installed in most instances. As noted in your September 1999 report on Remotely
Controlled Valve on Interstate Natural Gas Pipelines, the cost of installation of
RCVsis several times the cost of the expected value of gas saved, which is the only
quantifiable economical benefit of the RCVs. Any expected injuries/property
damage would have occurred within the first few minutes of the rupture, long
before the RCV would have been activated.

Furthermore, the safety of the public and emergency personnel may be
compromised with the use of RCVs. Our first priority to make the rupture site safe
by evacuating people from the impacted area. Potentially, a quick shut down of
gas flow by an RCV may give the public a false sense of security. An RCV that fails
to completely close or leaks may allow a combustible mixture of gas to build up at
the rupture site. Members of the public or emergency personnel entering the
hazardous area without the utility first checking for combustible vapor would be
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subjected to potential injuries and/or fatalities.

6) Should there be atiered approach to establishing a time-to-isolate Sandard, e.g., lesstime
in Class 4 than in Class 3 locations?

No. Seeresponsesto items 2 and 5 above.

Thank you for the opportunity to comment.

Sincerdy,

Richard Arita

Richard Arita
Senior Gas Engineer, System Integyrity
Gas Sysem Maintenance & Technica Support



NTSB PGE Comment
PHMSA-RSPA-2000-7666-0021



-

Pacific Gas and Electric Company 375 N. Wiget Lane, Suite 200
GSM&TS - System Integrity Walnut Creek, CA. 94598
Office: (925) 974-4313 Fax: (925) 974-4232

June 21, 2000

Docket Facility

U.S. Department of Transportation
Room PL-401,

400 Seventh Street

SW. Washington, DC 20590-0001

SUBJECT: Docket No. RSPA-99-6355

Pacific Gas and Electric Company (PG&E) would like to provide the following commentsin
response to RSPA’ s Request for Comment on Enhanced Safety and Environmental
Protection for Gas Transmission and Hazardous Liquid Pipdinesin High Consequence Areas
(DOT Docket No. RSPA-99-6355; Notice 1). PG&E is an investor-owned utility providing
natural gas and dectric service to more than 12 million people in Northern and Centra
Cdifornia PG&E has over 5,600 miles of intrastate gas transmisson pipelines.

PG& E supports efforts that will further assure the public about the safety and integrity of
natura gas pipelines and will work with OPS and dtete regulators in this new initiative. We
understand that OPS is seeking to validate each operator’ s systematic process for evaluating
risks to pipeline systems in high consegquence areas and before addressing the specific
questions listed in the Federa Regigter notice, would like to take this opportunity to provide a
brief overview of the approach taken by PG&E.

In addition to standards which implement pipdline safety regulaions, PG&E utilizesa
Geographic Information System (GIS) and a Pipdine Risk Management Program to
continudly improve system-wide operations and safety. PG& E's GIS containsthe
geographica location, pipe specifications, and the operating condition of its transmisson
pipeines. It dso contains dl the field reports of new congtruction, pipe condition and lesks.
Our Pipdine Risk Management Program assesses the likelihood of failure due to mechanisms
such as third party damage, corrosion, and ground movement (including seismic hazards and
major water crossings). It also assesses the consequences of failure in terms of impacts to the
public, the environment, and to our business.
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In the Federd Register notice, OPS has put out the following key elements for the process it
envisons

The need for pipeline-specific assessments in determining the need for additiona
preventive and mitigetive activities.

The need to assess dl risk factors and risk reduction activities in an integrated manner.
The need for increased assurance that high consequence areas are being protected.

Keeping these key eementsin mind, the following are PG& E' s responses to selected
questions asked under each of the process steps defined by OPS.

1. ldentifying and L ocating High Consequence Areas
a How should “high consequence’ areas be defined?

We support a definition which takes into account population density, environmental
impact, and service impact. Examples of areas PG& E would consider to be high
consequence areas are Class 4 locations, hospitals, schools, places of public
assembly, apartment complexes, railroads, highways, airports,
commercial/industrial buildings, navigable waterways, parks, and recreation areas,
etc.

b. Should the operator or OPS be responsible for identifying the location of high
conseguence areas?

Due to the complexity of the issue, OPS should set general guidelines and require the
operator to be responsible for identifying the location of high consegquence areas.

e. Wha process should OPS or the industry use to ensure that the identified high
conseguence areas continue to reflect current conditions dong the pipeline (e.g.,
population expanson, new information on environmenta resources)?

Currently Code requires operators to monitor and record new construction and
other changes occurring along the pipeline. Thisinformation is generally obtained
fromregularly scheduled patrols (foot and aerial), during development of drawings
for new construction, and from special field surveys. PG& E posts this information
routinely into GISand utilizes that system to verify current conditions along the
pipeline.



Docket Fecility, U.S. DOT
December 20, 1999

Page 3

a

I dentifying Affected Pipeline Segments

Does adequate data exist for operatorsto reliably ascertain the specific pipeline segments
that could affect “high consequence” areas?

We believe adequate information exists. However, depending upon how “ high
consequence” areas are defined, operators may need to collect more data to
accomplish this step.

Should pipeline segments near, but not within, high consequence areas aso be examined
for possible impact?

In identifying pipeline segments that could affect “ high consequence” areas, we
suggest that factors contributing to the likelihood of failure and/or factors
impacting the consequences of failure of the high consequence line be considered.
In short, we do not want any pipelineto fail, especially if it has any secondary
impact on the high consequence area.

Inspecting and Assessing the Condition of the Affected Segments

Are the current industry stlandards sufficient for pipelinesin “high consequence’ aress?

Based on our experience, PG& E believes that current Code requirements and industry

standards are sufficient, provided they are diligently applied by the pipeline
operator. We also believe current requirements can, in certain instance, be overly
conservative.

What isthe current capability of smart pigsto find prior mechanica damage and other
defects?

Regulations should not require operatorsto use smart pigs. At the present time,
when a condition impacting pipeline integrity and public safety isidentified by
routine or non-routine maintenance, the pipeline operator is allowed to review the
pipeline condition and choose the most cost-effective method(s) to assess/restore the
structural integrity. The methods available to the operator could include smart
pigging, if feasible given the pipeline geometry and other factors. Thisflexibility
provided to the operator should not be withdrawn in favor of a mandate for use of
smart pigs.
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PG& E views smart pigs as one available tool for the assessment of pipeline
condition. While smart pig technology has been utilized by PG& E, and current
smart pig products reliably provide valuable information regarding pipeline
corrosion damage, we can often determine critical pipeline conditions through other
less costly means.

c. What dterndivesto internd ingpection can provide equivadent information on pipeline
condition?

There are many other pipeline inspection methods available today. Each method
identifies limited characteristic(s) of a pipeline and each method has an associated
level of effectiveness. Examples of some other inspection methods include:

Video inspection which can detect interior corrosion, ovalization, buckles and
dents,

Closeinterval CP ingpection which can ensure proper cathodic protection on
pipeines

X-ray which can detect defectsin girth welds

PG& E has found smart pigs to be effective at detecting pipeline corrosion. While
smart pigs may be represented by manufacturersto be effective in many other
measurements, our experience indicates that measurement of other pipeline
characteristics by today' s smart pig is both unreliable and less exact than other
technologies.

d. How recently should aline have been pigged to provide relidble data for this step? What
factors should be consdered in making this determination (recent congtruction activity,
cathodic protection system performance, interference from foreign line crossngs, etc.)?

Many factors must be considered when establishing re-inspection intervals, including an
analysis of the previous data relative to potential damage mechanism that have
been identified. Re-inspection intervals should be |eft to the operator to establish.

e. How soon should the condition of aline be assessed after determining that it could impact
a high consequence area?

After an operator has identified that a pipeline segment could impact a “ high
consequence” area, a comprehensive plan to assess the pipeline conditions should
be immediately developed. The plan should include a historical review of existing
data, assessment criteria, inspection method(s), implementation schedule, and cost.
The plan should be implemented for the affected pipeline segment as soon as
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practical, but the schedule will depend on a number of factors, including permit
requirements, equipment availability, and operating requirements. For thisreason
PG& E believes operators should be allowed to set their own schedule .

What criteria should be used to identify anomalies that require further investigation?

We believe current industry standards are sufficient and should continue to be used as

the criteria for identifying and evaluating anomalies.

What is the gppropriate period between pig runs for high consequence areas? (Should
this period be based on pipdine-specific conditions impacting the likelihood of corrosion
or mechanical damage?)

Again, PG& E supports allowing operators the flexibility to use the inspection tool that

is the most effective for the condition being evaluated. We support and encourage
the adoption of a risk management approach to continually assess pipeline
conditions and to determine appropriate inspection frequencies for specific pipeline
segments. This approach would consider a number of factorsincluding, corrosion,
likelihood of third party damage, and ground movement.

Should OPS specify minimum performance criteria for interna ingpection tools? If so,
what should those criteria be?

The criteria should be devel oped collectively by OPS operators and vendors.

4. Assessing the Need for Additional Preventative or Mitigative Actions

a What structured assessment and decision processes could operators use to perform this

step?

Operators should establish a comprehensive, integrated, segment-specific assessment

program. We believe PG& E’ s Pipeline Risk Management Programis a good
example of such a structured assessment.

What should be the criteriafor deciding whether additiona actions by the operator are
required?

In determining additional actions, we recommend that actions be based on two
factors: 1) Risk ranking - according to the Risk Management Program'’s evaluation
and 2) a benefits to cost evaluation.
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5. Remedying and Repairing the Affected Segments as Necessary

a. Should current industry standards be used as the repair criteria, or do other
methodol ogies exist or need to be developed for pipdinesin high consegquence areas?

PG& E believes the current industry standards are sufficient, but is supportive of new
technology devel opments and Code improvements.

b. What isthe status of the current rulemaking to alow dternative repair techniques?

We welcome the recently issued final rule on Gas and Hazardous Pipeline Repair
(RSPA-98-4733). The new rule will allow alternative repair techniques and
encourage new repair technologies.

c. After an operator identifies anomdies requiring repair, how much time should be dlowed
in which to complete the repair work?

It will depend on the characteristics of the anomaly. If it has safety related
consequences, it should be repaired as soon as conditions allow. If it haslittle or no
impact on public or employee safety, the environment, or service reliability, the
operator should be allowed to plan and schedule repair within a year.

6. Implementing and Monitoring Other Cost-Effective Risk Control Activities
a.  How can operators monitor the effectiveness of risk control activities?

An annual report should be established that documents the risk management efforts
and analyzes the incidents that have occurred. By analyzing incidents, Risk
Management Program algorithms and the mitigation efforts taken to reduce risk
can be validated and refined.

b. How would integrating an implementation schedule into norma operator maintenance
schedules or budget cycles affect the cost of implementing these activities?

Integrating an implementation schedule into normal operator maintenance
schedules or budget cycles will definitely save time and cost over treating it asa
Separate program.
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7. Documenting I nspections, Assessments, and Actions

What would be the expected costs and |abor burdens of these documentation
requirements?

PG& E supports requiring operators to have thorough, accountable records of all
stepsidentified in the operator’ s pipeline integrity and risk management program.
If the process for high consequence areas outlined in this Federal Register noticeis
integrated into normal operator maintenance schedules, the cost and labor burden
to meet these documentation requirements should be minimal.

8. OPS Reviews Operator Compliance

a. How can OPS ensure consistency of review across al companies?

We believe OPS or state regulators, as appropriate, should conduct an initial review of
each operator’ s risk management or pipeline integrity programs and follow-up with
regularly scheduled reviews, possibly to coincide with normal auditing schedules.
The goal of these reviews should be to establish a cooperative working relationship
between the operator and the regulating authority to ensure an effective and

proactive safety program.

b. What review protocols or criteriawill OPS use to evauate the effectiveness of an
operator’ s assessment and decision-making processes?

The effectiveness of an operator’s risk management program should be measured
by the safety performance of the pipelines by comparing with the operator’s
previous records and also industry statistics.

Thank you for the opportunity to comment.

Sincerdy,

Chih-Hung Lee

Chih-Hung Lee
Senior Gas Engineer, System Integrity
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Gas System Maintenance & Technica Support
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Department of Transportation
Resear ch and Special Programs Administration
[Docket No. RSPA-00-7666; Notice 2]
Pipeline Safety: Pipeline Integrity Management in High Consequence Areas
Pacific Gas and Electric Company Comments

Ms. Stacey L. Gerard

Associate Adminigtrator for Pipdine Safety

Clo Dockets Facility

US Department of Trangportation, Room PL-401
400 Seventh Street, SW

Washington, DC 20590-0001

Dear Ms. Gerard:

Pecific Gas and Electric Company appreciates the opportunity to comment on the
components of this“hypothess’. Asthe Utility subsdiary of PG& E Corporation thet
provides natural gas and electric services to northern and centrd Cdifornia, we operate
6300 miles of natura gas transmission pipdines throughout Cdifornia

Asyou are aware, Pacific Gas and Electric Company has aready begun a Risk
Management program to improve the safety and rdiability of our pipeines. We have
been an active participant working with NAPSR to establish risk management processes,
working with industry and regulators to vaidate the effectiveness of ECDA, and working
through ASME to develop an integrity management gppendix to B31.8.

The following pages comprise our initid comments regarding the “ hypothesis’. We hope
our feedback and our experiences with implementing integrity assessments will help OPS
develop arule that effectively improves safety and awareness about the integrity of
pipdinefacilities. When the ruleis proposed, Pacific Gas and Electric Company will
provide more detailed comments.

Sincerdy,

Alan Eastmen
Manager — System Integyrity

1lof 18
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Scope of an eventual gasintegrity management rule

Our current thinking is that any standards we eventually propose on gas integrity management will apply to
all gastransmission lines and support equipment, including lines transporting petroleum gas, hydrogen, and

other gas products covered under Part 192.

Pacific Gasand Electric Company believestheintegrity management rule should only apply to
transmission lines operating at or above 20% SMY Sin high consequence areas. The pipelineswith
small diameter s, low pressure and operating below 20% SMY Sand thelinesnot operating in high
consequence ar eas pose a much lower relativerisk and should be excluded from consideration in the
rulemaking.

Elements of an eventual gasintegrity management rule
We believe that to fulfill our objectives, any rule that we propose on integrity management programs for

gas operators would need to address the following seven elements. We used similar elementsin developing

the liquid integrity management rules. Our treatment of these elements will be based on certain hypotheses
that are discussed below. We welcome comment about these elements and hypotheses.

1. Definethe areaswherethe potential consequences of a gas pipeline accident may be significant or
may do consider able harm to people and their property. (Weare calling these high consequence
areas).
- Datafrom sites where gas pipelines have ruptured and exploded have shown that the range of impact
of such explosionsislimited. Therefore, the areain which near by residents may be harmed or their
property damaged by potential pipeline ruptures can be mathematically modeled as afunction of the
physical size of the pipeline and the material being transported (typically, but not exclusively, natural
gas).

Because gas pipeline operators are required to maintain data on the number of buildings within 660
feet of their pipelines, the definition of potentially high consequence areas where additional integrity
assurance measures are needed should incorporate these data.

Pacific Gasand Electric Company concurswith the use of structure data but notesthat oncea
classlocation reaches‘3', the structure dataisno longer accumulated. Therefore, the
information in Class 3 areas may not be current.

The range of impact from the rupture and explosion of very large diameter (greater than 36 inches)
high pressure (greater than 1000 psi) gas pipelinesis greater than the 660 feet currently used in the
regulations.

Pacific Gasand Electric Company concurswith the use of the C-FER mode for pipelineswhose
impact islarger than 660'. However, Pacific Gasand Electric Company recognizesthat there
areother more extensive modelsthat should be allowed if a Company choosesto perform amore
extensive evaluation of theimpact.

Special consideration must be given to protect people living or working near gas pipelines who would
have difficulty evacuating the area quickly (e.g., schools, hospitals, nursing homes, and prisons).
Pacific Gasand Electric Company Supportsand would include day-car e facilitieswith more
than 25 persons.

Because of therelatively small radius of impact of a gas pipeline rupture and subsequent explosion,

and the behavior of gas products, environmental consegquences are expected to be limited. At thistime,

OPS has little information that would indicate the definition of high consequence areas near gas
pipelines should include environmental factors.

Pacific Gasand Electric Company concur sthat environmental consequencesare generally low
and should not bea part of therule.

20f 18
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Given that pipeline operators maintain extensive data on the distribution of people near their pipelines,
OPS intends for operators to use these data, together with a narrative definition of a high consegquence
area (that OPS will define), to identify the specific locations of high consequence areas. For OPS to
map high consequence areas for public and regulatory use, operators will have to provide data (hard
copy or digital) on the location of people living near their pipelines as an attribute associated with the
pipeline geospatial features. For any operator not able to provide these data, OPS would, instead, rely
on census data to compl ete the maps of high consequence areas to be used for gas integrity purposes.
OPS s using this datato map the high conseguence areas defined in the liquid integrity management
rule.

Pacific Gasand Electric Company notesthat current data may not be available. If thelocation

has been Class 3for along period of time, new structures may not be known. Pacific Gasand
Electric Company would proposethat operators be allowed to use 3" party data sour ces that

address match thelocations of High Consequence structuresand use Census datato determineif
housing density could reach or exceed 25 structureswithin the circle circumscribed by the C-

FER.

2. Identlfy and evaluate thethreatsto pipelineintegrity in each area of potentially high consequences.
Effective integrity management begins with a comprehensive threat-by-threat analysis. One approach
divides potential threats to pipeline integrity into three categories: time dependent (including internal
corrosion, external corrosion, and stress corrosion cracking); static or resident (including defects
introduced during fabrication of the pipe or construction of the pipeline); and random (including third
party damage and outside force damage). In addition, human error can influence any or all of these
threats.

Pacific Gasand Electric Company concurswith the need to evaluate the three categories of
threats. However, Pacific Gasand Electric Company believesthat existing rules, which include
therecent “ Operator Qualifications’ adequately addresseshuman error.

Identification and evaluation of the significance of threats to pipeline integrity must involve the
integration of numerous risk factors. Such risk factorsinclude, but are not limited to, pipe
characteristics (e.g., wall thickness, coating material and coating condition; pipe toughness; pipe
strength; pipe fabrication technique; pipe elevation profil€); internal and external environmental factors
(e.g., soil moisture content and acidity, gas operating temperature and moisture content); operating and
leak history (e.g., pipefailure history, past upset conditions that have introduced moisture into the gas);
land use (e.g., active farming, commercial construction, residential construction); protection history
(e.g., corrosion protection data, history of third party hits and near misses, effectiveness of local One
Call systems); and the degree of certainty about the current condition of the pipeline (e.g., age of the
pipe, completeness of integrity-related records, available inspection data).

Pacific Gas and Electric Company concur s

Pipelines having threats that represent higher risks should generally be assessed sooner than those with
threats that represent lower risk.

Pacific Gasand Electric Company concursaslong asfactorssuch as economy of scale,

construction difficulties, long-lead time materials, etc. are allowed to alter the schedule. For

instance, a pipeline may have 3HCAs, one high risk and two low risk. Economy of scale may

dictate smart pigging all threeHCAsearlier than medium risk section on another pipeline.

Pacific Gasand Electric Company iscurrently utilizing risk assessmentson every mile of its

system to prioritize integrity assessments.

Numerous studies and analyses on leak vs. rupture thresholds of natural gas pipelines have shown that
pipelinesthat operate at a stress level lessthan 30% SMY Sfail differently (i.e., leak rather than

rupture) from those operating at higher stress. Therefore, different integrity assurance techniques may
be appropriate.

Pacific Gas and Electric Company concursand would recommend utilizing increased leak patrol
frequenciesto minimizetheleak threat
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3. Select the assessment technologies best suited to effectively deter mine the susceptibility to failure of
each pipe segment that could affect an area of potentidly high consequences.

An integrity baseline needs to be established for all pipe segments that could affect an area of
potentially high consequences. An operator will need to evaluate the entire range of threats to each
pipeline segment'sintegrity by analyzing all available information about the pipeline segment and
consequences of afailure on ahigh conseguence area. Based on the type of threat or threats facing a
pipeline segment, an operator will choose an appropriate assessment method or methods to assess (i.e.,
inspect or test) each segment to determine potential problems.

Pacific Gasand Electric Company concursand believesthat a 10-year timeframewould be
reasonablefor establishing a baseline.

Time dependent threats will also require periodic inspection to characterize changesin their
significance.

Pacific Gasand Electric Company concursand supportscurrent effortsin B31.8 to define
intervals

Acceptable technol ogies for assessing integrity include in-line inspection, pressure testing and direct
assessment. None of these technologiesindividually isfully capable of characterizing all potential
threats to pipelineintegrity. Pacific Gasand Electric Company Concurs.

OPS s co-sponsoring with industry and state agencies an evaluation of direct assessment technology to
determine the conditions under which direct assessment is effective in assessing external corrosion.
The validity of direct assessment in assessing other threats (e.g., internal corrosion, stress corrosion
cracking) isalso being explored.

Static threats will require pressure testing at some time during the life of the pipeline. If significant
cyclic stress, such as that caused by large pressure fluctuations, is present, then pressure testing, or an
equivalent technology, will be required periodically throughout the life of the pipeline.

Pacific Gasand Electric Company believesthat for most situations pressuretesting isthe best
integrity verification for pipelinesoperating over 30% SMY Swith joint efficiencieslessthan 1.0.
However, the option of using other integrity verification tools should be allowed. For all other
pipelines, particularly pipelines operating below 30%, Pacific Gas and Electric Company

believes operating history validatesthe material strength and pressuretesting in not needed.

Random threats will require the use of two parallel integrity management approaches. The vast
majority (over 90%) of ruptures caused by random threats occur at the time when the threat is
imminent (e.g., when the excavator hits the pipeline). Therefore, the use of risk management practices
(or technologies) to prevent damage or to immediately identify the potential for damage would be
more effective than looking for evidence of past damage. Secondly, since some randomthreats do not
result in immediate pipeline rupture, technologies that 1ook for evidence of past damage after the threat
has occurred should be focused in areas where delayed failureis most likely.

Threats related to human error will be addressed largely, but not completely, through the new Operator
Qualification Rule. An integrity management rule may need to address more specific problems.

Pacific Gasand Electric Company concursthat human error isalready adequately addr essed

4. Determinetime framesto conduct a baseline integrity assessment and to make any needed repair

using a graded (tiered) approach wher e assessment and repair areprioritized according to risk.
Thetime frame for conducting the baseline assessment should be based on a graded or tiered approach
where pipeline segments are prioritized for assessment according to the level of risk they pose. Thus,
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highest risk segments would be scheduled for assessment first, lowest risk last. A schedule for taking
remedial action on the pipeline segment after the assessment would also be based on risk factors.

Pacific Gasand Electric Company supportsthe ASME B31.8 timeframes.

The time frame for conducting the baseline assessment should, among other factors, consider the
impact on gas supply to residents. This could also be afactor in determining if avariance from the
required time frame is warranted.

Pacific Gasand Electric Company concurs

The sequence in which the segments are prioritized for assessment should be determined by
considering information such as, how much pipeisin areas of potentially high consequences, which of
these pipe segments represent the highest risk, which threats for these segments represent significant
risks, how much time will be needed to develop the infrastructure to perform the required assessments
(e.g., validate the required assessment technologies, develop consensus standards for the application of
these technologies, expand the industry capability to deploy and effectively use these technologiesto
assess pipeline integrity). If the assessment finds potential problems, the schedule for making the
repairs would also be based on risk factors.

Pacific Gasand Electric Company concur s but believesthat construction difficulties or

economies of scale may move pipeline segmentsup or down the schedule

5. Identify and implement additional preventive and mitigative measur es appropriate to manage
significant threats.

Assuring a pipeling'sintegrity requires more than simple periodic inspection of the pipe. Most threats,
including passive threats such as third party damage, require active management to prevent challenges
tointegrity. Therefore, active integrity management practices are necessary. Some operators already
go beyond the current pipeline safety regulations by implementing integrity management practices such
as ground displacement surveys, soil corrosivity analysis, gas sampling and sampling and analysis of
liquid removed from pipelines at low points.

Pacific Gasand Electric Company concurs

Preventive and mitigative measures include conducting arisk analysis of the pipeline segment to
identify additional actionsto enhance public safety. Such actions may include damage prevention
practices, better monitoring of cathodic protection, establishing shorter inspection intervals, installing
Remote Control Vaves (RCVs) or Automatic Shut-Off Valves (ASV's) on pipeline segments. Some
operators, particularly hydrogen pipeline operators, have voluntarily installed ASVson their pipelines
at short intervals as a mitigative measure.

Pacific Gasand Electric Company concurs.

6. Continually evaluate and reassess at the specified interval each pipeline segment that could affect
an area of potentially high consequences using a risk-based approach. The evaluation considersthe
information the operator has about the entire pipelineto deter mine what might berelevant to the
pipeline segment.

Managing a pipeline sintegrity requires periodic reassessment of the pipeline. The time frame
appropriate for this reassessment depends on numerous factors. In the current class |ocation change
regulation, gas pipeline operators are required to replace pipe segments with thicker-walled or stronger
pipe (or decrease pressure) as the near-by population increases above threshold levels. This
requirement for thicker-walled or stronger pipein areas of higher population might indicate that a
longer reassessment interval would be appropriate where corrosion is the dominant threat
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If critical risk factor data are not available to support evaluation of risks, then the reassessment interval
should be appropriately shortened to reflect that absence of knowledge.

If an operator has devel oped a comprehensive picture of past and anticipated threats, including detailed
information onrisk factors and records of multiple assessments carried out over several years, the
operator might be able to justify alonger reassessment interval.

The periodic evaluation is based on an information analysis of the entire pipeline.

7. Monitor the effectiveness of the management process designed to provide additional assurance of
integrity in areaswher e the consequences of potential pipeline accidents are greatest.

M easures can be developed to track actual integrity performance aswell asto determine the value of
assessment and repair activities.

Pacific Gasand Electric Company concursand supportsthe metrics being developed for B31.8
Integrity Mgmt Appendix.

Application of integrity management technologies that exceed current regulationsis cost effective
because many companies have made the decision to implement such programs.

Pacific Gasand Electric Company concursthat integrity management is cost effective. However, the
type and complexity of the pipeline system will dictate if a specific technology is cost effective or even
possible. For thisreason, it isimportant that a variety of integrity management technologies by
availablefor use

Consderation of Impact on Gas Supply

Recent events, particularly in California and the Midwest, have highlighted the limitations of energy supply
in certain parts of the country. Assessing pipelines using any of the technol ogies being considered may
result in arestricted gas supply because of pipelines being taken out of service or by reductionin
throughput. Some types of repairswill also require lines to be taken out of service. To illustrate, we have
included amap (see sketch 1) of Northern Natural Gas Company's gas transmission pipeline, which
supplies gas to the states of 1owa, Minnesota, Wisconsin, and Michigan. If an upstream segment of this gas
transmission pipeline were put out of service temporarily for the test or repair, many communities located

at the end of branch lines, which have sole source feed (i.e., have no other tie-in'sfrom an aternative
source), would be affected by the restricted gas supply. Therefore, in developing the time frames for the
baseline assessment and continual reassessment intervals (or for allowing avariance), and the schedule for
repairs, we will need to consider, among other factors, the actual adverse impact on the public of a
restricted gas supply.

Pacific Gasand Electric Company Supports
MorelInformation Needed on Gas I ntegrity Management Program

We have summarized the areas where OPS is seeking further information in devel oping a proposed
integrity management program rule for gas operators. The information needs are organized under nine
categories, seven of which are the elements we see as essential to any integrity management program rule.
We have added two other categoriesto identify areas where we need information to evaluate the effect of
an integrity management rulemaking on costs and gas supply, both seasonally and regionally.

To help promote discussion of these issues, we have also developed an electronic discussion forum on
OPS's I nternet home page. The Internet address for thisforum is http://ops.dot.gov/forum. Because of the
way we have interspersed numerous questions throughout this document with extensive background and
technical information, some commenters may find it difficult to find the areas they would like to comment
on. The electronic forum will list all the areas where we have asked for comment so that commenters can
easily focus on those areas of interest to them. The electronic forum will allow real-time electronic
discussion for 45 days. We hope it will increase the breadth of participation in the commenting process. A
transcript of the electronic discussion forum will be placed in the docket.
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1. Definethe areas of potentially high consequence

Because the environmental consequences of a gas pipeline accident tend to be localized, OPS's approach to
defining areas of potentially high consegquences has focused on populated areas, particularly, areas of high
population and areas where groups of people reside who may have difficulty evacuating an area.

Presently gas pipeline regulations are structured to provide increasing levels of protection, consistent with
predetermined thresholds, where resident population is greater. Accordingly, operators of gas pipelines are
required to monitor the number of dwellings within 660 feet of the pipeline, and either to lower operating
pressure or to replace the pipe with one having greater wall thickness or strength as the number of
dwellings increases above predefined thresholds.
The consequences of these requirements are that —

gas pipeline operators have excellent data on populations near their pipelines, and

pipelines operating in areas of higher population density (called Class 3 & 4) typically have thicker or

stronger walls than those in lower population areas (called Class1 & 2).

These factors, among others, differentiate gas pipelines from those that carry hazardous liquids.
Pacific Gasand Electric Company concursthat gas pipeline oper ator s have excellent data concer ning
therelative population density near their pipelines, however when a classlocation reaches Class 3,
theupper structure density threshold isreached and increased growth isnot noted unlessit isa
building with 4 or more stories.

In the technical sessions at the Public Meeting, INGAA and AGA presented a model that related gas
pipeline diameter and operating pressure to the physical boundaries of the areaimpacted by the heat from a
gas pipeline rupture and subsequent fire (i.e., the heat affected zone). C-FER, aresearch and consulting
organization from Canada, devel oped the model. C-FER validated this model by
comparing the predicted heat affected zones with those actually observed in several historic gas pipeline
accidents.
The model predicted that the extent of the heat affected zone for pipelines of up to 36 inches diameter and
operating at pressures up to 1000 psi would be less than 660 feet. Rupture of larger pipelinesthat are
operating at a higher pressure would lead to alarger heat affected zone. To devel op both the 660-foot and
the 1000-foot limits, C-FER used a mathematical model of aburning jet of
natural gas emitted from aruptured pipeline. Using the results of the model, INGAA and AGA suggested
H|gh Consequence Areas be defined as-
al Class 3 & 4 locations as presently defined in the pipeline safety regulations;
all locations where within 660 feet of the pipeline there are facilities housing people with impaired
mobhility (e.g., schools, day care centers, assisted living facilities, prisons, and hospitals);
all locations where within 1000 feet of a pipeline that operates at pressures exceeding 1000 psi and has
diameter greater than 30 inchesthere are facilities housing people with impaired mobility.

Pacific Gasand Electric Company concurs, if the C-FER model can be used to determine the extent
of the pipelinerequiring integrity assessment. Theimplementation of the C-FER modd may reveal
that an HCA doesnot have structur es of concer n within the heat-affected zone, and would not
requirean integrity assessment.

Critical heat flux

The INGAA/AGA analysis (developed by C-FER) used 5000 btu/hr-ft2 as the critical heat flux for defining
the impact radius. However, National Fire Protection Association (NFPA) Standard 59A and 49 CFR Part
193 both use 4000 btu/hr-ft2 as the critical heat flux value. OPS recognizes that the critical heat flux isonly
one element in the equation that relates pipe diameter and maximum operating pressure to the extent of the
heat affected zone, and that C-FER validated this equation by comparing the predicted heat affected zones
with those actually observed in several past gas pipeline incidents. However, additional information would
be useful on

the source of the critical heat flux used in the analysis.
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other standards in which the 5000 btu/hr-ft2 value is used, as well as standards in which the 4000
btu/hr-ft2 is used.

the size of the heat affected zone in the vicinity of aruptured hydrogen pipeline.

Pacific Gasand Electric Company supportsthe use of the C-FER moded in theregulation. However,
Pacific Gasand Electric Company would like to ensure mor e rigor ous models can be utilized to
further refinetheimpact. The model’sbenefit for limiting the size of the affected areato a
reasonable zone far outweighsthe added effort of determining if key structureslie between the
historical 660" buffer and the extent of the C-FER calculation.

Housing

INGAA advocated that a high consequence area be limited to areas within an impact zone (discussed
above) where there are more than 25 houses or afacility housing people with impaired mobility. OPS
would like comment on whether an impact zone should be so limited, and if so, whether 25 housesisa
reasonable number.

Pacific Gasand Electric Company believesthat the C-FER model impact zoneis conser vative

because of itsguillotineline break assumption. Therefore, the limitation of the HCA analysisto the
impact zoneisreasonable and conservative. Using a specified number of houses or types of facilities
toascertain if theareaisan HCA isalso reasonable and in keeping with classlocation consider ations
within the existing code.

Other consider ations

OPS is seeking information to eval uate the reasonableness of including or excluding in a definition of high
consequence areas -
- all populous areas where the impact radius of a pipeline rupture would be predicted to exceed 660 feet.

Pacific Gasand Electric Company supportsintegrity assessmentsfor all pipeline segments
operating within a Cl 3or 4 whoseimpact radiusis predicted to exceed 660 feet.

high traffic roadways, railways, and places where people are known to congregate (churches, beaches,
recreational facilities, museums, zoos, camping grounds, etc.). For example, the recent gas pipeline
rupture near Carlsbad, New Mexico occurred in an unpopulated area. Twelve people died in that
incident.

areas of environmental significance. Although environmental consequences of agas pipelineincident
may be localized, we recognize, nonetheless, that a gas rel ease can ignite and cause damage to wildlife
species (animal and plants), and their habitat in the area. We seek information to determine what, if

any, environmental considerations need to be addressed. Also of importance is whether these areas can
be readily identified so that they can be mapped - similar to how OPS is mapping unusually sensitive
environmental areas for the liquid pipeline high consequence areas.

Pacific Gasand Electric Company does not believe historical incidentswarrant the need to include
environmental concerns. Unlikeliquid pipelines, the environmental damageis minimal and
localized.

Mapping

OPS s creating the National Pipeline Mapping System (NPMS), a database that contains the locations and
selected attributes of natural gas transmission lines and hazardous liquid trunk lines and liquefied natural
gasfacilities operating in the United States. Submission of thisinformation has been voluntary. At present,

8of 18

C:\temp\136495.doc



07/12/01

OPS has been provided data on pipe locations for 82% of liquid pipelines but only 40% of gas pipelines.
OPS has al so been mapping for hazardous liquid operators the high consequence areas defined in the liquid
integrity management rule. These areas include populated areas, unusually sensitive environmental areas,
and commercially navigable waterways.

These maps are useful to pipeline operators and for community and state needs. OPS is committed to
continuing to provide thisinformation. OPS intends to map the high consequence areas that it definesin a
gasintegrity management rule, similar to how it is mapping these areas for the liquid operators. OPS
expects operators to provide their pipeline data on both high consequences areas and non-high consequence
areas. Thisinformation could be in digitized form or in hard copy. OPS would expect gas operators to
submit the high consequence area data as an attribute associated with the pipeline geospatial features. For
operators not supplying the population data, OPS is considering using the census data that it used to map
the population component of the high consequence areas for the liquid integrity rule. If an operator relies
on this census-based data, the operator should be required to supplement the census data with other
pertinent datain identifying gas high consequence areas. Operators would submit all data according to the
NPM S standards. OPS seeks input on the impact of this strategy. OPS would also like comment on whether
local distribution companies (LDCs) would prefer to use this census-based popul ation data to define their
high consequence areas.

Pacific Gasand Electric Company will not beimpacted by having to submit the high consequence
areainformation. For many of our locations, Pacific Gasand Electric Company would chooseto use
census-based population data when defining if an HCA hasthe population densty torequirean
integrity assessment.

2. ldentify and evaluate thethreatsto pipelineintegrity in each area of potentially high
consequences.

One of the key concepts advanced at the Public Meeting was the need to select the right assessment tool for
each significant threat. In the INGAA presentation, threats were divided into three categories. time
dependent (e.g., internal and external corrosion), static or resident (e.g., cracking introduced during
fabrication of the pipe or construction of the pipeline), and random (e.g., third party damage or outside
force damage). INGAA further maintained that each category of threat has technologies (or practices)
useful for managing the associated risk. For example, time dependent threats would require periodic
inspection and static threats would require hydrostatic testing at some time during the life of the pipeline
(assuming that no significant cyclic stress -such as strong pressure fluctuations- was present). For random
threats, such asthird party damage and outside force, INGAA said that the right tool would involve use of
risk management technol ogies (or practices) to prevent damage or to immediately identify the potential for
damage, rather than to look for evidence of past damage. Preventive technologies or practices might
include third party damage prevention and monitoring of ground movement. INGAA argued that
preventive technol ogies and practices are needed for these random threats because the likelihood of
immediate rupture when the event occurs dominates the risk.

Before an appropriate technology can be selected to assess each significant threat, a determination or
definition of what constitutes a significant threat has to be made. OPS would like comment on what best
defines athreat as significant.

Pacific Gasand Electric Company supportsthethreat definitions and inspection methods being
developed under the Integrity Mgmt appendix to B31.8.

Corrosion

The most prevalent time-dependent threat is corrosion. Several technologies exist or are in development
both to prevent corrosion and to identify the potential for damage from corrosion. OPSis seeking
information on the factors or combinations of factorsthat provide the clearest indication that corrosionisa
significant risk to pipeline integrity.

Pacific Gas and Electric Company supportsthe corrosion threat analysis, proposed inspection tools
and inspection intervalsbeing developed under the Integrity Mgmt appendix to B31.8.
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Third Party Damage

The most significant threat in areas of high population isthird party damage. The vast mgjority (over 90%)
of ruptures caused by third party damage occur when the threat occurs (i.e., when the excavator hitsthe
pipeline). However, asmall fraction of third party damage failures do occur well after the impact.
Therefore, technol ogies that 1ook for evidence of past damage after the threat has occurred should be
focused in areas where delayed failureis most likely.

OPS is seeking further information on the combination of material properties and/or operating conditions
that could increase the susceptibility of pipelinesto delayed failure following third party damage. For
example, thick walled, high toughness pipe can sustain a strike from athird party with amuch lower
likelihood of immediate rupture than other pipe. In combination with some source

of cyclic fatigue, such pipe can be much more susceptible to delayed rupture from third party damage.
Pipelines with these characteristics in areas where the likelihood of third party damageis high need to be
assessed for residual

damage. OPS also is seeking information on pipeline industry efforts to explore new technol ogies capable
of recognizing or preventing third party damage and to incorporate proven technologies into company
integrity management plans.

Pacific Gasand Electric Company believesthat prevention isthe best mitigation for third party
damage. Thisincludesactive participation in One-call and stand-by during excavation around high-
risk facilities. For detection of 3" Party damage, Pacific Gasand Electric Company hasfound direct
assessment to bea very effectivetool.

Special Conditions

The presence of one or more critical risk factors often indicates a significantly increased likelihood of other
failure modes or threats. For example, pre-1970 ERW piping is known for seam cracking and subsequent
rupture. Such seam cracking is difficult to detect using standard pigging technologies. In addition, thick
walled, high toughness pipe can sustain a strike from athird

party with amuch lower likelihood of immediate rupture than other pipe. In combination with some source
of cyclic fatigue, such pipe can be much more susceptible to delayed rupture from third party damage.
Further, some pipelines operating at elevated temperature in a potentially corrosive environment may be
especially susceptible to stress corrosion cracking. OPS is seeking information on any special
characteristics that can influence pipeline risk and mode of failure. The presence of these special
characteristics may necessitate the use of specially designed assessment technol ogies.

Pacific Gasand Electric Company believesthe threat analyses developed for B31.8's Integrity Mgmt
appendix adequately addresses special conditions and therisk analyseswill prioritize these pipelines
asoneof thefirst to beinspected.

Erosion

Some commenters have pointed out soil erosion as apotential threat to pipeline integrity. OPS is seeking
information on the conditions under which soil erosion has been a significant failure mode, including the
possibility of erosion exposing the pipeline to external damage from passing water-born debris, and on the
practices useful to prevent failure resulting from soil erosion.

Pacific Gasand Electric Company concurswith the Outside Force threat analysis specified by
B31.8'sIntegrity Mgmt appendix. The presence of an erosion threat will requireinspections after
major stormsthat could create flowsthat expose pipelines. Pacific Gasand Electric Company’s
current practiceisto perform an annual erosion survey, prioritizethe erosion sitesand mitigatethe
locationsthat could impact theintegrity of a pipeline. Pacific Gasand Electric Company’s
contractor, performsthe erosion mitigation by installing mats or palisades systemsto halt and
reversetheerosion.

Treatment of Storage Fields
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Storage fields have been the source of pipelineintegrity problems for decades. OPS is seeking information
to help identify the cause of and prevent piping-related failures associated with storage fields that could
affect high consequence areas.

OPSisalso interested in information on the gas pipeline industry's efforts to reinvigorate the National
Association of Corrosion Engineers (NACE) standard setting or develop guidance focused on gas storage
fields.

L ow Stress Pipelines

The American Gas Association (AGA) and American Public Gas Association (APGA) maintain that
pipelines operating at a stress level below 20% specified minimum yield strength (SMY S) are of low
enough risk that they should not be covered by a gasintegrity management program rule, and
for pipelines operating between 20% and 30% SMY S, integrity management practices other than
internal assessment, hydrostatic testing and direct assessment are adequate. (Direct assessment isa
term coined by the gas pipeline industry. The termis described in detail below).

OPS is seeking the following information to determine how best to treat low stress pipelinesin an integrity

management rule.
actual data on the leak and rupture history (presented by failure mode) of natural gas pipe operating
below 20% SMY S and between 20% and 30% SMY'S.

Pacific Gasand Electric Company concurswith the Leak vs Rupturereport complete by Battelle for

GTI and believesthat additional leak mitigation activities could be performed instead of inspections.

For thelower stresspipelinesthe primary concern isleak migration, so the mitigation should be

focused on increased leak detection effortsinstead of pipeline inspections.

- comparisons of thisleak and rupture history information with the corresponding information for higher
stress piping (by failure mode).
amore thorough discussion of the process that AGA is advocating for companies operating low stress
pipelinesto follow to provide added assurance of integrity. Questions to be addressed include -
Arerisk profilesto be developed and maintained for low stress pipe segments that could affect high
consequence areas?

How would such risk profiles be used to support decisions on which segments require application of
more extensive assessment technol ogies?

What actions would be taken in response to findings?

What means should be used to evaluate the potential consequences associated with pipe segments that
fail by leaking? (e.g., Where does the potential for accumulation of leaked gas increase the likelihood
of an explosion ultimately occurring as aresult of an undetected |eak?)

What would be appropriate baseline and reassessment intervals for low stress lines (for those operating
below 20% SMY S and those operating between 20-30% SMY S)?

Select Appropriate Assessment Technologies

INGAA maintains that gas pipeline integrity can be effectively assessed using one or more of three
approaches: in-line inspection, hydrostatic testing and the direct assessment process. (The direct assessment
processis discussed below). INGAA further maintains that selecting an assessment technology should be
based on an analysis of all relevant risk factors to determine which threats represent

the most significant risks.

Pacific Gasand Electric Company concurswith INGAA’s assertions.

Correspondence Between Threats and Assessment Technologies
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To ensure that integrity management programs are designed to address the full spectrum of failure causes
(threats), OPS is seeking information on the correspondence between assessment technol ogies and the
threats they are designed to detect. Available information on the range of effectiveness of each technology
would also be beneficial.

Pacific Gasand Electric Company concurswith tool -threat specification in B31.8'sIntegrity Mgmt
appendix.

Experiencewith In-Line I nspection

OPS is seeking information on experience with using in-line inspection (IL1) technology. Relevant
information would include the number, type and severity of features or defects discovered as a function of
the technology employed, risk factors that were present, and when and how the defects were acted on.
These data could help usin determining the potential number of incidents prevented through the use of ILI
technology. We are al so seeking data on estimated costs associated with implementing ILI technology.

Pacific Gasand Electric Company haslittle experiencewith IL1. Dueto frequent diameter changes
within each pipeline and the use of plug valves, extensive valve and pipe modificationsarerequired
beforean ILI tool can beused. Inthelast two years, Pacific Gasand Electric Company has spent
over $5,000,000 making 200 miles of high-risk pipelines piggable. Thedatafrom theserunsare
pending.

Effectiveness of Pressure Testing

INGAA contends that a pressure test conducted at any time during the life of a pipeline provides adequate
assurance that so-called static or resident defects (e.g., cracking introduced during fabrication or
construction) are no longer an integrity concern. The premise behind this position is that gas pipelines do
not typically operate under cyclic pressure loading of sufficient magnitude to promote crack growth.
Therefore, ahydrostatic or pressure test conducted at any time during the life of the pipeline will forever
eliminate any concern about the risk from static or resident defects. INGAA has not claimed that a once-in-
a-lifetime pressure test will eliminate concern for other types of threats such as time-dependent (e.g.,
corrosion) or random (e.g., third party damage). OPS is seeking information on conditions (other than
changesin cyclic pressure loading) in which the premise that a once-in-a-lifetime pressure test

will eliminate the risk from static or resident defects does not apply.

Incentivesto Increase the Piggability of Lines

OPSisinterested in promoting the appropriate expanded use of in-line inspection (or pigging) technologies.
Therefore, OPS is seeking information on the current and near-term expected mileage of gas transmission
lines that can be pigged, aswell ason financial (or feasibility) barriers to making other lines piggable.

Direct Assessment
Direct assessment is a structured process for assessing pipeline integrity. While OPS focus on direct
assessment at this stage is on assessing external corrosion, work isin processto exploreits application to
internal corrosion and stress corrosion cracking. The process has four basic steps:
1. A comprehensive integrative analysis of risk factor datais used to determine whether direct assessment
will apply, what threats are likely to be significant, where these significant threats are likely to be present,
and what tools are best suited to characterize pipe condition. Candidate datafor integration include:
- Pipe characteristics (e.g., wall thickness, coating material and condition,
pipe toughness, pipe strength, pipe fabrication technique, pipe elevation profile);
Internal and external environmental factors (e.g., soil moisture content and acidity, gas operating
temperature and moisture content);
Operating and leak history (e.g., pipe failure history, past upset conditions that have introduced
moisture into the gas);
Land use (e.g., active farming, commercial construction, residential construction);
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Protection history (e.g., cathodic protection system and history, history of third party hits and near
misses, effectiveness of local One Call systems);

The degree of certainty about the current condition of the pipeline (e.g., age of the pipe, completeness
of integrity-related records, available inspection data).

2. An above ground examination is made of the pipeline using one or more direct assessment tools to
identify areas where coating defects (holidays and disbondment) are likely to exist and whether or not
active corrosion islikely to be present.

3. Excavation (digging bell holes) isused to expose the pipe in areas suspected to be experiencing active
corrosion, then the pipeline is examined visually, and other eval uative techniques such as ultrasonic testing
are used.

4. Information from all available excavationsisintegrated and generalized to determine whether and
where additional bell holes should be dug to seek out additional potential active corrosion.

Validation Process and Research & Development Effortson Direct Assessment

Theindividual technologies employed in direct assessment have been utilized for pipeline integrity
assessment for many years. However, the use of these technol ogiesin an integrated process that includes
analysis of risk factor datais new. Also, some new tools such as Direct (or Alternate) Current Voltage
Gradient (DCVG or ACVG), Pipeline Current M apper, C-Scan and C-Spin are being
introduced. Therefore, the industry has undertaken a validation process designed to determine both the
conditions under which direct assessment is most effective and the effectiveness of the overall process.
OPS s providing funding for this project along with extensive project oversight. Process effectiveness will
be evaluated by comparing the results from direct assessment technol ogies with the results from bell hole
examinations and with the results from in-line inspection of the same segments. Between 15-25 pipdline
operators are participating in this validation study by contributing existing assessment data and developing
new datafrom application of the technologies. State agencies are involved in reviewing the data. OPSis
seeking the following information on the direct assessment process:
- how direct assessment can be validated and applied for external and internal corrosion, including

applications for dry and wet gas lines;

the need where there are multiple threats on the same segment of pipeline for complementary

supporting assessment techniques, or for additional corrective and mitigative actions, to address the

multiple threats;

whether there are conditions where direct assessment may not be possible or may not give accurate

information;

the statistical basis for validating the external and internal corrosion direct assessment process as well

asthejustification for this basis;

how direct assessment can be applied and eval uated for stress corrosion cracking;

available standards to support the use of all types of direct assessment that are envisioned;

the most important risk factors that should be considered in analyzing the applicability of each direct

assessment technology to each threat.

the process for information integration as it rel ates to direct assessment.

the application of direct assessment to uncoated pipeline.

Pacific Gasand Electric Company supportsthe DA standards currently being developed by NACE.
In addition, our experiencewith DA has shown it to be an effectivetool for finding the poor est
sections of pipein a segment.

Local distribution companies

AGA and APGA contend that because local distribution company (LDC) transmission pipelines are
typically so closely coupled to the distribution system, hydrostatic testing would result in significant
serviceinterruptions, and pigging would be highly uneconomical if even possible. In awhite paper rel eased
since the public meeting, AGA and APGA have described what alternative technologies are available, and
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why alternatives provide adequate protection for these lines. (This paper can be found on the OPS web site
under Initiatives/Pipeline Integrity Management Program/Gas Transmission Operator Rule and in the DOT
docket.)

4. Determinetimeframesto conduct a baseline integrity assessment and to complete repairs

following an assessment using a graded (tiered) approach that prioritizes pipeline segments based on
risk. A timeframewill have to be determined for operators to conduct a baseline assessment of their pipe
segments using a graded or tiered approach. Under this approach, an operator would prioritize all
applicable pipeline segments for assessment based on the risk the segments pose to the high consequence
areas. Therisk would be determined from risk factors. A schedule for completing repairs of the segments
after the assessment would also be based on risk factors. One of the factors in developing the required time
frame, or establishing variances from the required time frame, would be the need to maintain gas supply to
the public.

Pacific Gasand Electric Company concurswith thetimeframeand risk-based prioritization
proposed by B31.8' sIntegrity Mgmt appendix.

Baseline Assessment

The INGAA presentation did not discuss atime frame for a baseline assessment. To help develop a
required baseline assessment schedule that considers the various risk levels for each pipe segment to be
assessed, OPS is seeking the following information.
practical considerations of establishing agraded (or tiered) approach for conducting a baseline
assessment. A graded approach is one where baseline assessments of the highest risk pipeline segments
are conducted as soon as possible with baseline assessments for lower risk segments compl eted
subsequently. Risk would be determined from risk factors, whether specified, operator-devel oped or a
combination.
the time required for the industry to mobilize (e.g., develop modelsand perform needed risk analysis,
complete demonstration of needed technologies, train and qualify the resource base needed to support
abaseline assessment).
information on the impacts to the gas supply and to the cost of gasif atime frame for completing a
baseline assessment were required, for example, atime frame of 5, 10 or 15 years
repair criteriacurrently being considered. Criteriawould include time frames for competing repairs
following an assessment.

5. ldentify and Implement Additional Preventive and Mitigative M easures
INGAA submitted areport (prepared by the Hartford Steam Boiler Inspection and I nsurance Company)
that summarizes the range of threatsidentified as causing failure in gas pipelines, the management practices
industry is using to manage these threats, and the research contributing to the understanding of the threats.
(Thisreport isavailablein the DOT docket and on the OPS web site under Initiatives/Pipeline Integrity
Management Program/Gas Transmission Operator Rule.)
OPS is seeking unattributed examples of typical decision processes that an operator uses to manage
threats to pipeline safety by implementing discretionary preventive or mitigative technologies or
practices such as those discussed in the Hartford Steam Boiler report.
As part of the integrity management process, an operator would need to take additional measures to prevent
and mitigate the consequences of a pipeline failure in high consequence areas. In the liquid integrity
management rule, operators are reguired to conduct arisk analysis of each pipeline segment to identify
additional measures to enhance safety and environmental protection. For gas pipelines, additional
preventive and mitigative measures could include actions such as damage prevention best practices, better
monitoring of cathodic protection, establishing shorter inspection intervals, and installing Remote Control
Valves (RCVs) and Automatic Shutdown Valves (ASV's) on pipeline segments.
OPS s seeking information on the effectiveness, technical feasibility, economic feasibility, and
reduction of risk with RCVsand ASVs.
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Pacific Gasand Electric Company’s example of using risk management to managethreatsisas

follows:

On an annual basis, we develop our budget which includes ~$20 million of threat mitigation activities that
are not required by current codes. Three groups propose the projects that comprise this budget...operations,
engineering and risk management.

During the budget period (April-August) risk evaluations (based on continually updated datain GIS) are
completed for each project proposed by operations and engineering. Concurrently, the risk management
group reviewsthe risk evaluations for every mile of transmission pipe and proposes inspection or
mitigation projects. The Total risk value determined in these evaluationsis used to prioritize the projects
and determine the projects that will be funded.

When prioritizing future projects, Pacific Gas and Electric Company also considers the B/C and the
individual likelihood for each threat. Projects with ahigh B/C (large risk reduction vs. cost) or high
likelihood of failure dueto aspecific threat are raised in priority...even if thetotal risk valueislow.

During the rest of the year, the risk management team receives feedback about threats from several sources,
1) Inspection reports when pipelinesare exposed,

2) Pipeline Risk Evaluation forms...aintra-net form that can be filled out by any crew member that notes a
threat to the pipeline. Theform is sent to the risk mgmt team which must respond with an analysis of the
threat level and proposed response,

3) An annual review of known and new erosion concerns

4) Pipeline patrol reports

Theinput of each of these sourcesis evaluated and incorporated into GIS (for futurerisk calculations). If
the threat islarge, funding isimmediately secured for inspections or mediation.

6. A Processfor Continual Evaluation and Assessment to Maintain a Pipelin€'sintegrity.

Integrity assurance involves periodic assessment of the integrity of each pipeline segment within a high
consequence area, periodic eval uation of the entire pipeline to determine threats relevant to the pipeline
segment, and repair of problems.

Periodic Reassessment

Times frames need to be devel oped for an operator to periodically assess the integrity of its pipeline
segments. At the public meeting, INGAA recommended a periodic reassessment interval for al
technologies (i.e., in-line inspection, direct assessment and hydrostatic testing) of 10 years for pipe of
thicknesstypically usedin Class 1 & 2 locations, and 15 years for pipe of thickness typically used in Class
3 & 4locations. INGAA said these reassessment interval s were conservative estimates of the maximum
time between pipeline inspections to prevent failure of the largest defect and that they were developed
based on very conservative assumptions on corrosion growth rate that were checked against both analysis
and experience data. INGAA further explained that these reassessment intervals assumed that at the
beginning of the interval, the pipe thickness was not |ess than that of new pipe appropriate for the class
location. Thus, there would be variations in the actual reassessment interval depending on the assessment
technology. INGAA noted that an operator might be able to extend the reassessment interval based on its
knowledge of and demonstrated control over the principal risk factorsfor its pipeline, but that if any of the
dataon key risk factors were missing, then an operator would need to develop a shorter

reassessment interval.

OPS is seeking information to help it determine appropriate periodic reassessment intervals. This
information could include examples detailing a proposed reassessment interval following a successful
baseline assessment and repair of problems found during the assessment. These examples could use the
INGAA proposed intervals or any other, such as those required in the liquid pipeline integrity management
rules. The examples could also factor in repair criteria used to re-mediate problems found during the
baseline assessment.
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Pacific Gasand Electric Company supportsthe assessment intervals specified by B31.8's I ntegrity
Mgmt appendix unlessarobust risk management assessment can justify longer intervals.

In some cases pipelines have been designed for placement in Class 3 and 4 locations by using steel with
greater toughness and strength rather using pipe having greater wall thickness. These pipelines are no less
susceptible to corrosion damage; therefore, OPS is considering whether a reassessment interval should be
defined by the wall thickness rather than by the Class location for a pipeline segment. OPSwould also like
information on how areassessment interval would factor in the impact of increased ligament strength
where higher strength pipeis used rather than thicker pipe.

Repairs

Following the reassessment, an operator would have to schedule repairs on the pipeline segments. This
would be done by prioritizing the anomalies found during the assessment for evaluation and repair. The
schedule, which would be risk-based, would need to provide time frames for evaluating and completing
repairs. In the liquid integrity management rule, we provided time frames for an

operator to complete repair of certain conditions on a pipeline following an assessment. For those
conditions not specified, we allowed the operator to provide time frames for eval uating and completing the
repairs. The schedule was to be based on specified and pipeline-specific risk factors.

Pacific Gasand Electric Company supportstherepair schedule specified by B31.8'sIntegrity Mgmt
appendix

Comment is sought on the time frames to compl ete needed repairs and factors that need to be considered in
establishing these time frames. One factor could be the impact on the gas supply. If no other guidanceis
available on scheduling repairs, OPS may develop arepair schedule similar to that used in the liquid
integrity management rule.

Evaluation

A periodic evaluation looks at all available information about the entire pipeline to determine what could
be relevant to the pipeline segment being examined. The frequency at which evaluations are conducted
could be based on risk factors, either specified factors, operator-devel oped or a combination. We seek
comment on how to determine frequency and how to ensure that information is analyzed on all threatsto a
segment.

Direct Assessment

OPS is seeking information on the logistics of rapidly expanded use of Direct Assessment technologies,
particularly on whether the current pool of trained and qualified assessors would pose any constraint to
industry's ability to rapidly expand the use of these technologies. Thisissue should also be considered in
conjunction with any input on the best strategy for establishing a baseline

assessment interval.

7. Monitor the Effectiveness of Pipeline I ntegrity Management Efforts

OPS s seeking information on how it could best monitor the effectiveness of operator integrity
management efforts. Information is needed both on specific direct performance measures and on indirect
measures derived from analysis of assessment results and corrective actions taken. OPS and the industry
have been criticized for an ineffective system that assemblesincident data, analysesit for possible
implications to other pipelines, communicates across the industry the general lessons and implications of
the these incidents, and follows up to eval uate the effectiveness of operator incorporation of the general
lessons from these incidents. Some work to address thisissue is ongoing, such as revised reporting criteria.
OPS is seeking input on potential additional actionsthat could be taken jointly by OPS and the industry to
address this concern.

Pacific Gas and Electric Company supports program effectiveness metrics specified by B31.8's
Integrity Mgmt appendix
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8. Consideration of Impact on Gas Supply

OPS needs information to evaluate the effect of new safety requirements on gas supply to residents. Thisis
one of many factors that OPS will need to consider in establishing a baseline assessment time frame.
Information is needed on how gas supply would be affected with baseline assessment time frames of 5, 10
and 15 years. The same information is needed for reassessment intervals of 5, 10, 15 and 20 years.

9. Other Issuesincluding Those Related to Cost/Benefit

Scope of Integrity Management Planning

Earlier in this document OPS explained its current thinking about the scope of a proposed integrity
management rule. OPS would like comment about its underlying assumptions.

Cost Benefit Analysis

To support its cost benefit analysis, OPSis seeking additional information on the following topics:
Benefits and costs of acompany's active-in-line inspection and pressure testing programs. Information
could include the results on saf ety such as the reduction of accidents or leaks.

Pacific Gasand Electric Company hasnone available at thistime. In-lineinspection and pressure

testmg for integrity assessment has been limited and isjust beginning to be used.
Benefits and costs of a company's integrity assessment program employing direct assessment
technologies. Information could include the types of direct assessment that have been used or
considered. The costs associated with the technol ogies. The results related to safety, such asthe
reduction of accidents or |eaks reduced.
The total mileage of gas transmission pipeline. The number of miles of gas transmission pipelines that
have been hydrostatically tested to current standards. The number of miles of gas transmission
pipelines that have been pigged at |east once.

Mi. Pipe Mi. w/hydro Mi. pigged
6,300 3,900 200

The estimated average cost per mile to hydrostatically test agastransmission pipeline. The fraction of
this cost that is associated with taking the line out of service. Ways to minimize the cost associated
with taking the line out of service, such as using existing looping.

<=12" 20" 30" 40"
$100,000 $300,000 $400,000 $500,000
Thecost ispredominantly dueto two factors...1) Preparation of the pipelinefor hydrotesting
and 2) disposal of the hydrotest water. California’senvironmental regulations necessitate
storing the water in Baker tanksprior to disposal.

The estimated average cost per mile to internally inspect agastransmission pipeline. The fraction of
this cost that is associated with taking the line out of service. Ways to minimize the cost associated
with taking the line out of service, such as using existing looping.
<=12" 24" 34"
$800,000 $1,200,000 $2,000,000
Pacific Gasand Electric Company derived these estimates from the actual costsfor thefirst
threelL| projectswe haveinitiated. The cost of taking the line out of service was negligible.
Themajority of the cost was due to making the pipeline piggable and accessible for a pig

launcher and receiver. Roughly the costs segregated asfollows....10% contract cost for running
thelLl, 10% Pacific Gasand Electric Company labor cost to preparefor and monitor the pig

run, 80% for replacing valves, installing scraper barsand setting up for thelauncher and
receiver. Weanticipatethat Pacific Gasand Electric Company’slabor cost will reduce by 50%
aswe become mor e familiar with ILI.
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The percentage of an operator's pipelines that are not capable of being pigged. The reasons the pipeline
is not piggable, for example, because it is telescopic, has sharp radius bends, or has less than full
opening valves The costs to make the line piggable.

Over 80% of Pacific Gasand Electric Company’s pipelinesare not piggable because they have
oneor more of thefollowing...telescopic construction, random diameter construction, sharp

radius bends, and lessthan full opening valves. In addition, all linesrequire the expense of

building piping that will enable thelaunching and receiving of an ILI tool. The costs sustained to
date aredescribed in the previous question.

Impacts on small businesses. The impacts an integrity management rulemaking will have on the
company. Include any special concernsthat RSPA should consider in addressing impacts on small
businesses. Include whether there are alternative requirementsfor small businesses that are less
Onerous.

The estimated average cost per mile to use direct assessment on a gas transmission pipeline. The
assumptions this estimate includes on the number of bell holes required per mile.

Pacific Gasand Electric Company has been effectively using direct assessment for many years.

The average cost for a direct assessment survey is$1,100/mile and $30,000/bellhole.

The estimated average cost per mile to change out a gas transmission pipeline to comply with existing
class location regulations. The number of miles per year that are typically replaced to comply with this
regulation.

The best available data on the actual costs associated with reported gas pipeline incidents.
Aninventory of pipeline mileage for pipe having diameter greater than or equal to 30 inches and
MAORP greater than or equal to 1000 psi.

Pacific Gasand Electric Company has 182.3 miles of pipelinewith OD >=to 30" and operating

over 1000 psig. The mileage by Classlocation is...Class1-176.6 miles, Class 2 - 5.2 miles, Class
3-0.5miles

Standards

During the public meeting, INGAA stated that consensus standards represent a practical way to
institutionalize both the uses of new technology and the effective application of existing technology.
INGAA sad that standards currently being developed should provide detailed information for operatorsin
implementing any integrity management rule that is eventually issued.

OPS is seeking information on the schedul e the Standards Organi zations have for completing the various
standards that relate to integrity management that are expected to be prepared, particularly the standards on
conducting integrity assessments and repair criteria. The current "draft" Schedule on Standardsis found at
the end of this Notice.

Industry Data Analysis

We believe that data sources outside OPS incident data should be considered in developing risk analysis
and assessment intervals. OPS seeks to better understand the extent to which data beyond these incident
histories, including datafrom all incidents and near misses, were used to validate industry positions.
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Subject: Docket No. RSPA-97-2879 "z
Remotely Controlled Valves on Natural Gas Facilities

Ladies and Gentlemen:

Pacific Gas and Electric Company (PG&E) is a public utility serving over three
million gas customers in Northern and Central California.

Thank you for the opportunity to comment on your survey on the use of remotely
controlled valves (RCVs) on natural gas facilities. Attached are written comments

that address the eight issues identified in the Docket.

Sincerely,
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Pacific Gas & Electric’s Comments to the Survey on the Use of Remotely
Controlled Valves (RCVs) on Natural Gas Pipeline Facilities

DOT 49 CFR Part 192 [Docket No. RSPA-97-2879; Notice 1]

General Comments:

Pacific Gas & Electric has no objections to installing RCVs on natural gas facilities. In most
cases, RCVs are installed when we upgrade an existing major control station or build a new one.
We have historically installed SCADA and controls necessary to remotely position the regulating
and routing valves at this type of facility and have experienced few problems with the remote
operation of any valve.

However, Pacific Gas & Electric does agree with the findings relating to Automatic Controlled
Valves (ACVs) in the GRI sponsored report entitled “Remote and Automatic Main Line Valve
Technology”, July 1995. In our experience, ACVs have proven unreliable because the pipeline
failure detection systems used to trigger the closure of ACVs often mistake normal operating
transient conditions as a pipeline failure. In order to avoid false closures due to normal
transients, the detector system sensitivity must be severely reduced, in some cases, to the point
of inoperability on a full line break.

The following are our comments to the specific issues identified in the Docket:

A. What is the potential value of early detection and isolation of a section of pipeline
after a failure in terms of enhanced safety and reduced property damaged?

Early detection and isolation will enhance safety by reducing the volume of flammable gas
being vented at the pipeline break. The reduction of property damage is questionable since
isolation of the pipeline section will only reduce the duration of the gas released to
atmosphere. The peak gas flowrate at the pipeline break is unaffected, and it is expected
that most of the property damage will occur during the first few seconds of the pipeline
break.

B. What are the technical and economical advantages of installing RCVs?

A major technical advantage is the ability to isolate the pipeline break quickly without
requiring personnel to be sent to operate any mainline valve(s). Also, the mainline valve
status (valve position) can be monitored remotely from central gas control centers.

The economic advantages are: 1) minimizing the company’s liability by reducing amount of
flammable gas discharged at the pipeline break, and 2) potentially minimizing gas customer
outage by quickly isolating the line break, and either providing an alternate supply of gas to
the customer, or curtailing interruptible gas customers.

C. What are the technical and economical disadvantages of installing RCVs?

The main disadvantages of installing RCVs are higher installation and maintenance costs
and a more complex installation. RCVs, with their associated SCADA systems, are more
complex and could compromise customer reliability. The potential for an inadvertent pipeline
shutdown also increases which could result in costly customer re-lights as well as negative
publicity.
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D. What states in addition to New Jersey have adopted regulations concerning RCVs in
intrastate natural gas pipeline facilities?

In California there are no regulations presently adopted regarding the use of RCVs on natural
gas pipeline facilities.

E. If RCVs were required in only high risk areas, what would constitute high risk areas
and what would be criteria for prioritizing from highest to lowest risk?

High risk areas could be based on 1) the potential magnitude of damages that could occur if
a pipeline breaks, or 2) the probability of a pipeline break actually occurring. Population
density, pipeline pressure, and pipe diameter are items that impact the potential magnitude
of the damage. Known hazardous locations (such as, older pipelines crossing known major
earthquake fault lines, or areas subject to land slides or erosion), forecast construction
activity next to the pipeline, and pipeline pressures all relate to the probability of a pipeline
break.

It should be noted that the current pipeline safety regulations already specify design factors
based on population density (i.e., Class Locations). High population densities adjacent to
natural gas pipelines require operators to install pipelines with a higher factor of safety.
Furthermore, transmission valve spacing requirements are also based on population density.

F. Document cases where RCVs have malfunctioned causing them to close
unexpectedly or to not close when commanded by the dispatcher.

There are no cases in our experience where an RCV malfunctioned causing it to close
unexpectedly. However, there are instances when the RCVs failed to close when
commanded by the dispatcher. These failures have been due to maintenance issues, loss of
communications, or lack of power to the actuators.

G. Document cases where RCVs operated after an accident to reduce the consequences
of the accident.

We do not have any documented cases where an RCV operated after an accident. However,
there have been cases where a dispatcher remotely closed an RCV due to concern that a
pipeline break was eminent.

H. Provide documentation to support or refute the impression that when the escaping
gas from a failed gas pipeline ignites, it normally occurs shortly after the accident,
usually less than 10 minutes after the accident.

It is logical to assume that if there is an ignition, it would occur within the first few seconds of
a natural gas pipeline break. First, if the pipeline break was caused by a dig-in from
construction or farm equipment, such as a tractor, backhoe, etc., the equipment itself would
likely contain a source of ignition. Secondly, if there is a underground pipeline break, the
debris adjacent to the break (dirt, rock, sand), as well as portions of the steel pipe, would be
violently expelled by the high pressure gas resulting in a high probability of a spark and
ignition of the flammable gas within seconds of the initial pipeline break.
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